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Abstract
This paper summarizes recent numerical modeling activities investigating geological CO2
sequestration project at the Cranfield field, Mississippi, USA, performed with the commercial 
compositional flow simulator CMG-GEM. The oilfield was produced from the 1940’s to the 
1960’s but has been the recent recipient of an enhanced oil recovery (EOR) CO2 flood. The 
subset of actual site operations of interest to the BEG consists of (1) an early phase, object of this 
paper, in which CO2 is injected into the oil-bearing reservoir (the so-called Phase II) and (2) a 
second phase (started on December 1, 2009) in which CO2 is injected at a high rate (>100 kt/yr 
for several years) in the saline aquifer down dip of the reservoir (Phase III). We present the 
modeling efforts related to the early phase of injection (Phase II, started in July 2008) in which 
CO2 is injected into the oil-bearing reservoir. The objectives of the modeling effort are to (i) to 
gain insights on how to approach CO2 injection modeling at the site, (ii) to match recent pressure 
measurements at several wells including a dedicated observation well, and (iii) to vindicate the 
necessity of monitoring of reservoir pressure. Its intent is not necessarily to do a full-fledged 
history match of the historical production period (1940’s – 1960’s).
We conducted numerous repeat simulation runs to modify boundary conditions, fluid 
properties, and reservoir properties to match observed fluid responses to production and to 
injection. A good understanding of subsurface heterogeneities, and composition of the oil and 
gas components, and boundary conditions of the reservoir is the key to successful history 
matching. However, allocating the correct distribution of rock properties based on historical 
geophysical logs remained an area of uncertainty even as additional new data were obtained 
during characterization because of the complex interplay between depositional environment and 
strong overprint of diagenetic events. Parameters of utmost importance for a correct description 
of a flow field, in particular the relationship between porosity and permeability and the nature of 
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permeability spatial variations remain uncertain as well as boundary conditions. The uncertainty 
was dealt with through sensitivity analyses. Ultimately, the constructed model shows a 
reasonable match with the data.  
© 2010 Elsevier Ltd. All rights reserved 
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1. Introduction 
Combustion of fossil fuels is a major contributor of the carbon dioxide (CO2) emission into the atmosphere 
because approximately 86% of the world’s energy production and 83% of the energy consumed in the United States 
come from fossil fuels [1]. There has been worldwide consensus to limit CO2 emissions because of its role as a 
greenhouse gas contributing to global climate change. Geological CO2 sequestration is a promising technology to 
mitigate anthropogenic CO2 emission by injecting it into subsurface pore spaces [2]. 
A large-scale (>106 ton/year) CO2 injection has been conducted for a Southeast Regional Carbon Sequestration 
Partnership (SECARB) field project at Cranfield field in southwest Mississippi since July, 2008 for enhanced oil 
recovery (EOR) [3]. This field had been shut-in since 1965 and reservoir pressure prior to CO2 injection had 
recovered to near original pressure levels due to water drive [3]. For this reason, this project provides an exclusive 
opportunity to monitor large-scale CO2 injection into a reservoir (in terms of downhole pressure, CO2 saturation, and 
other measurements) without preceding pressure perturbations.  
For CO2 storage, the magnitude and propagation of the pressure increase are the controlling factors for storage 
integrity [4] and storage capacity [5]. In the case of a compartmentalized subsurface system with closed boundaries 
such as sealing faults and low-permeability caprocks, CO2 injection may induce significant pressure increase [6]. 
The elevated reservoir pressure may reactivate existing faults [4] and create fractures in the overlying or underlying 
sealing rocks [7], which may lead to CO2 leakage to overlying layers. When CO2 is injected into an open subsurface 
system which is not compartmentalized by low permeability barriers, far-field pressure buildup may be 
accompanied by brine migration [8]. Hence, measuring and predicting reservoir pressure can be a very useful tool to 
monitor reservoir response which is a key to the success of CO2 storage. In spite of its importance, however, 
monitoring of reservoir pressure buildup is limited in previous industrial-scale storage projects such as Weyburn or 
Sleipner.    
This paper focuses on modeling of a large scale CO2 injection into a depleted oil field at the Cranfield field. We 
conducted a history matching during CO2 injection period thanks to data sets of continuous pressure measurements 
[3],. Such a pressure history match enables us to calibrate and improve our model in order to better understand the 
behavior of CO2 and the response of the reservoir. The objectives of our modeling are (i) to gain insights on how to 
approach CO2 injection modeling at the site, (ii) to match recent pressure measurements at several wells including a 
dedicated observation well, and (iii) to validate the importance of monitoring and prediction of reservoir pressure in 
a CO2 storage project.  
2. Overview of Cranfield CO2 Project 
The stacked storage Cranfield reservoir, located in western Mississippi (Figure 1a), has been chosen for a large-
scale CO2 injection. Our geological model includes only the northern third of the Cranfield reservoir (Figure 1b), 
where CO2 injection was in progress at the time the modeling was initiated. The reservoir is approximately located 
at a depth of 3050 m (10,000 ft) below the surface, is a near circular 4-way anticline with a diameter of 6.4 km (4 
miles), and is hosted in the Tuscaloosa Formation of Cretaceous age. The structure is created by a deep-seated salt 
dome. The reservoir sandstones are very irregularly cemented by carbonates and variable amounts of authigenic 
chloritic material. Interspersed shale layers exist in some areas. The secondary porosity due to localized dissolution 
of quartz grains and carbonate cement seems randomly distributed. The depositional environment is believed to be 
fluvial. The average total thicknesses of the productive sand in the gas cap and in the oil zone are 19 m (63 ft) and 
9.4 m (31 ft), respectively, although they vary across the field. The dip of the formation ranges from 1 to 3. As 
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described in Figure 1b, a fault divides the reservoir into two parts [9]. The fault is believed to be sealing and not 
very extensive in the vertical direction. Reservoir temperature is 125C (257F), and the reservoir pressure at depth 
of 3040 m (9976 ft) was 32 MPa (4701 psi) in 1947 prior to development [9]. As established by chemical analyses, 
formation water is very saline with a TDS >150,000 mg/L and a density of ~1.1. 
The reservoir was discovered in 1943 and was abandoned in 1965 [9]. After shut in, due to a strong water drive, 
reservoir pressure has returned to near initial pressure levels [3] despite a deep pressure drop following gas cap blow 
down. Since July 2008, the reservoir has been under active CO2 flood by Denbury, Inc. to sweep bypassed and 
residual oil [10]. All injections occur in the lower Tuscaloosa Formation, and average CO2 injection rate for each 
injector is approximately 8105 m3/day (5 MMSCFPD) with some variations. The location of each injection well in 
our model is displayed in Figure 2a. During EOR operations (injection of CO2), we have been continuously 
measuring pressure in the BEG observation well. The BEG observation is centrally located relative to injection 
operations. We also have periodic pressure measurements using pressure dip-in for four wells: CFU 24-3, CFU 29-
1, CFU 29-13, and CFU 44-2. The location of the wells including the BEG observation well is shown in Figure 2b.  
3. Description of Numerical Model 
CMG-GEM, a multiphase compositional flow simulator, is used for the modeling. It enables us to predict the 
volumetric behavior and the phase equilibrium composition of pure components and mixtures as well as their 
properties such as densities and viscosities. In this work, water is treated as an individual aqueous phase [11] and not 
as a component [12] because both oil and gas phases are already present, so that the three phases coexist in the 
reservoir. As a consequence, partitioning of water into the other phases and of the other phase components present in 
the model into the aqueous phase is not modeled.  
The structure of our static model is created based on both seismic data and well logs using the Petrel software. 
Maximum and minimum elevations are 2969 m (9741 ft) and 3111 m subsea (10,207 ft) based on the depth to the 
middle of cells, respectively. The average dip is 2 in an approximate radial fashion towards the apex of the anticline 
structure. Other reservoir parameters are given in Table 1.   
The dimensions of the model are 6.1 km  4.3 km  0.09 km (20,000 ft  14,000 ft  300 ft) for a total of 18,368 
(= 412816) cells. Average cell size is 152 m 152 m 6 m (500 ft 500 ft 20 ft). Numbering of the 16 layers 
starts at the top. Layer 1 consists of sandy material separated from the injection formation by layers 2 and 3 assumed 
to be mostly low permeability rocks. Similarly the bottom layer, layer 16, consists of low permeability rocks. For 
ease of terminology we loosely use the words “sand” and “shale”. They correspond to the two rock types used in the 
model: “shale” and “sand”. For each of the two rock types, we developed two correlated sets of two-phase 
permeability curves: water-oil and fluid (water and/or oil)-gas (Figure 3). Both relative permeability sets used in this 
model assume a Brooks-Corey (BC) formalism.  
Our model is assumed to be isothermal. Chemical reactions with minerals of reservoir rock matrix are not 
accounted for, because the model timescale is in the order of decade, whereas that for mineral trapping is over 
thousand years. We assumed, supported by pressure observations from both sides of the fault, that the NW-SE fault 
cross-cutting the reservoir is a sealing fault. Thus, there is no fluid flow and propagation of pressure perturbation 
across the fault. Although CMG-GEM can handle faults in a more sophisticated way, we modeled it by rendering 
cells along the trace of the fault inactive and, in effect, by eliminating these cells from the model. Well skin is 
assumed to be zero.  
Porosity data of the Cranfield reservoir was collected from well logs groundtruthed with core plugs and full core 
measurements, and then interpolated and upscaled within Petrel. The permeability-porosity transform used in this 
model is directly derived from preliminary work that has been updated since. Then, similarly to the porosity data, 
permeability is upscaled within Petrel. The upscaled porosity and permeability data sets are then exported into the 
GEM grid. Permeability of the Cranfield model ranges from 5.6 md to 1620 md, and we assume a value of 0.01 for 
the ratio of vertical to horizontal permeabilities.  
Our investigation shows that the oil composition has not varied since the historical production period (1945–
1965). We used the Peng-Robinson model for EOS. The PVT data of C2+ oil components was that internally 
available within CMG whereas PVT data for CO2 and CH4 were independently tuned.  
We had very limited oil/water/gas saturation data available to establish model initial conditions just prior CO2
flood. Thus, we decided to obtain such data by including the historical period into the modeling. Basic parameters 
such as original oil in place, production histories from the entire field [9], and original gas-oil (3040 m)/oil-water 
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(3068 m) contact depth [9] are known. That is, by numerically producing hydrocarbon according to the production 
histories (1945–1965), we obtain the assumed saturation distribution prior to CO2 injection period (which started in 
July 2008). Figure 4 shows the results of the production history match during historical period. Although the early 
production histories (before 1954) for cumulative oil production (Figure 4a) and water cut (Figure 4b) show 
difference between field data and model due to the lack of well by well production data, cumulative oil production 
(Figure 4a) matches well at the end of the production (1964). This suggests that our model reasonably simulates the 
saturation distribution in the reservoir before CO2 injection. To obtain this relatively good match, we needed both to 
include the produced gas reinjection program [9] and to make use of the strong water drive (modeled with constant 
bottom hole pressure (5000 psi) along the boundaries of the model). 
4. Results of Injection Period Modeling 
We built a numerical model based on the abovementioned information called “base case”. The results of the 
pressure history match for “base case” are presented in Figure 5 for 4 non-producing wells (24-3, 29-1, 29-13, and 
44-2) and the observation well. The calculated pressure histories at the four wells show a quite good match with the 
field data (Figure 5d). However, comparison between field and modeled pressure histories at the observation well 
shows noticeable deviations (Figure 5e) but the calculated histories trend as the field data. The differences come 
from uncertainties in key parameters in our model; particularly permeability distribution. Recent independent 
measurements of CO2 concentration at the observation well show that this well behaves anomalously.  
To investigate the impact of key parameter uncertainties, we conducted a series of sensitivity tests on boundary 
conditions and permeability distribution. In contrast to the open-boundary “base case”, we ran a case with closed 
boundary (that is, imaginary boundary wells shut-in). The comparison of pressure histories of the “closed boundary” 
and “base case” cases shows that the impact of the boundary conditions on the pressure histories is not significant 
(Figure 6). This result can be explained by the time period modeled and by the existence of production wells. There 
are 14 injection wells and 13 production wells in the model, and the distance between neighboring production and 
injection wells ranges from 152 m (500 ft) to 914 m (3000 ft), whereas the distance between the production wells 
and boundary of the model is between 762 m (2500 ft) and 2133 m (7000 ft). Consequently, all fluids (oil, gas, and 
water) preferentially flow towards the production wells rather than towards the model boundaries. The calculated 
pressure histories from “base case” is slightly greater than those from “closed boundary” case because “base case” 
has boundary (injection) wells to simulate water drive. Although the difference of the two cases is not large, the 
difference indicates that measuring and prediction of reservoir pressure can be a useful tool to monitor the response 
of reservoirs under CO2 injection. That is, boundary condition of a reservoir has an impact on reservoir pressure 
change, and the boundary condition directly determines the movement of CO2 plume though its impact is not 
considerable in EOR project.    
To test the impact of permeability, we present a case in which we increased permeability of all cells belonging to 
sand layers by a factor of five (instead of creating a new permeability model). The calculated pressure histories for 
“permeability” case are then significantly reduced compared to those for “base case” (Figure 6). Owing to the 
increase in permeability, oil, gas, and water production rates are increased significantly, and such an increase in 
production rates leads to the large decrease in reservoir pressure. This example, in addition to similar tests, validates 
our permeability distribution choice.  
5. Discussion and Conclusions 
The results of pressure history matching show that our “base case” model can reasonably reproduce field pressure 
histories with some deviations due to uncertainties in key parameters. We presented a few sensitivity tests on 
boundary conditions and permeability distribution to illustrate the behavior of the field under varying conditions.  
Sensitivity tests suggest that the system (during the CO2 injection phase) is controlled by the production wells 
rather than by the boundary conditions. Although the difference of the calculated pressure histories between “base 
case” and “closed boundary” case is not large, boundary conditions do have an impact on the reservoir pressure 
histories, which may be a good indicator of the reservoir response. This result demonstrates the importance of 
monitoring of reservoir pressure. Note that, because production wells are not generally used in saline water injection 
projects, the impact of boundary condition would be more prominent for CO2 injection into brine aquifers.  
Sensitivity test results also demonstrate, not surprisingly, that permeability has a significant impact on the model 
pressure histories. Thus, it appears that our permeability model is most responsible for the differences between the 
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calculated histories and field data. There are several issues related to the permeability in our model. We used cells 
with quite a large average size (500 ft500 ft20 ft) for numerical efficiency. Such a large cell would certainly be 
heterogeneous in the field, but it is not the case in our model, which may lead to failure of capturing lower-
permeability stringers or domains. Another important issue is the evaluation of permeability values based on 
porosity measurements. It seems that most of the difficulties are stemming from the abundant secondary porosity 
bearing little correlation with the initial depositional primary porosity. This model was created based on the data 
available prior to early 2008, and considerably more field data have been collected since. Incorporating new field 
information would most certainly improve our model. However, the current focus of the modeling team has shifted 
towards another area of the field where the Phase III test is taking place.  
Based on the results of Phase II modeling, we conclude that:  
1) Pressure measurements are a very useful tool to understand reservoir boundary conditions which 
ultimately determine the movement of the CO2 plume. 
2) Reservoir characterization, especially permeability is of utmost importance in modeling of pressure 
histories for CO2 injection. 
3) Pressure monitoring would be more useful for CO2 injection projects into brine aquifers than it is for EOR 
project.
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Table 1 Parameters of the Cranfield reservoir [9] 
Parameter Value 
Average horizontal permeability  2.7610-13 m2 (280 md) 
Average porosity 0.255 
Anisotropy ratio 0.01 
Temperature of reservoir  125C (257F)
Initial pressure at 9,976 ft (3040 m) subsea  32 MPa (4701 psi) 
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Figure 1 Cranfield field in south western Mississippi, USA: (a) location of the field and (b) structure contoured on 
Basal Tuscaloosa sand of the reservoir [9], box outlines model boundaries 
 (a)          
CFU24-3
CFU44-2
CFU29-13
CFU29-1
BEG Observation well
(b)
Figure 2 Location of wells in the model: (a) CO2 injection wells and (b) wells where pressure is measured. Note that 
the arrow in the figures points the north.  
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Figure 3 Relative permeability curves for “sand”: (a) oil-water and (b) liquid-gas.  
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Figure 4 History matching during historical period (1940’s – 1960’s): (a) cumulative oil production and (b) water 
cut.
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Figure 5 Comparison of the calculated pressure histories for “base case” with field measurements: (a) CFU 24-3, (b) 
CFU 29-1, (c) CFU 29-13, (d) CFU 44-2, and (e) BEG observation well. 
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Figure 5 (Continued).  
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Figure 6 Comparison of the calculated pressure histories for “closed boundary” and “permeability” cases with those 
for “base case”: (a) CFU 24-3, (b) CFU 29-1, (c) CFU 29-13, (d) CFU 44-2, and (e) BEG observation well. 
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